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Abstract 
The impact of temperature variations of injected CO2 on the mechanical integrity of a reservoir is a problem rarely addressed in the design of a 
CO2 storage site. The geomechanical simulation of the FutureGen 2.0 storage site presented here takes into account the complete modeling of 
heat exchange between the environment and CO2 during its transport in the pipeline and injection well before reaching the reservoir, as well as 
its interaction with the reservoir host rock. An ad-hoc program was developed to model CO2 transport from the power plant to the reservoir and 
an approach coupling PNNL STOMP-CO2 multiphase flow simulator and ABAQUS® has been developed for the reservoir model which is 
fully three-dimensional with four horizontal wells and variable layer thickness. The Mohr-Coulomb fracture criterion has been employed, 
where hydraulic fracture was predicted to occur at an integration point if the fluid pressure at the point exceeded the least compressive principal 
stress. Evaluation of the results shows that the fracture criterion has not been verified at any node and time step for the CO2 temperature range 
predicted at the top of the injection zone.  
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1. Introduction 
The impact of temperature variations of injected CO2 on the mechanical integrity of a reservoir is a problem rarely addressed 
in the design of a CO2 storage site. The geomechanical simulation of the US FutureGen 2.0 storage site (Morgan County, Illinois 
[1,2]) presented here takes into account the complete modeling of heat exchange between the environment and CO2 during its 
transport in the pipeline and injection well before reaching the reservoir, as well as its interaction with the reservoir host rock. In 
the FutureGen 2.0 project, the CO2 captured at an oxycombustion power plant will be transported through a 45.4 km long 
underground pipeline to four horizontal injection wells located on a single well pad. The wells will be drilled into a zone of high 
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permeability within the upper portion of the Mt. Simon Sandstone, a formation that underlies all of central Illinois. As much as 
1.1 Mt of CO2 will be injected annually over 20 years.  
The first step of the evaluation consists of the determination of the temperature at the bottom of the injection well. A computer 
program, CO2Flow, was specifically developed for this purpose. It can rigorously solve energy and momentum balances for CO2 
in pipelines and injection wells while considering changes in fluid state over the relevant conditions.  
The second step comprises the geomechanical modeling of the CO2 injection in the reservoir. This is performed using the 
STOMP-CO2/ABAQUS® sequentially coupled simulator. The developed capability uses PNNL’s STOMP multifluid flow 
simulator which solves conservation equations for component mass (i.e., water, CO2, and salt) and energy on a structured 
orthogonal grid [3, 4] interfaced with the commercial ABAQUS® finite element packages. STOMP-CO2 is used to calculate the 
aqueous pressure, aqueous saturation, gas pressure, gas saturation, and temperature for each node and time step. The information 
from STOMP-CO2 is then passed to ABAQUS® at each selected time step, too calculate strains, stresses (including thermal 
stresses), and fluid pressure; update the permeability and porosity; and evaluate a fracture criterion.   
The details of these two modeling steps are presented and the results in terms of stresses and potential fracture development in 
the reservoir are discussed for various injection temperatures. 
2. From the plant to the reservoir: CO2Flow  
Several aspects of a geological CO2 storage project require the calculation of expected conditions along the flow path from the 
fluid source (e.g. a power plant with CO2 capture), through pipelines and equipment, down an injection well, and ultimately to the 
storage formation.  The computer program CO2Flow was written to support scoping analyses, permitting, and system design 
associated with geological carbon dioxide storage.  The program estimates pressure drop and fluid state evolution as CO2 moves 
through pipelines and injection tubing. A steady state, one-dimensional flow model is used to calculate the pressure drop along a 
discrete number of pipeline or well elements (a complete description of the model can be found in [5]). This computer model uses 
the well-established Span and Wagner [6] state equations for CO2 to describe changes in fluid properties while flowing through 
pipelines and down injection wells. The program marches from the inlet of the pipeline to the end of the injection tubing, solving 
steady-state energy and momentum balances for discrete pipe segments. Cases examined covered a range of flow rates as well as 
seasonal variations in the temperature of the surroundings. The model included heat transfer from the fluid in the pipeline, which 
is a strong function of soil thermal conductivity. Since seasonally varying soil thermal conductivities have not yet been 
characterized over the entire pipeline route, a range of values was used in the model in order to bracket conditions that will likely 
exist in reality. Basic features of the CO2Flow program have been checked using hand calculations, and predictions for full well 
simulations have been validated by comparison to data from injection tests at the AEP Mountaineer test site near New Haven, 
West Virginia.   
  For the FutureGen 2.0 project, the flow path includes a pipeline 45.4 km in length, followed by a vertical well section that 
extends to a depth of 970 m below the ground surface, followed by a curved segment having a radius of 253 m leading to the final 
horizontal well segment (Figure 1). The current design calls for the perforated well section to begin in the curved segment, which 
places the top of the injection interval somewhat higher than the horizontal portion of the well.  A linear distance of 248 m along 
the curved segment to the beginning of the perforations corresponds to a total depth of 1181 m below the ground surface. 
 
Figure 1. Graphical overview of the conceptual design of the FutureGen 2.0 CO2 storage site in Morgan County, Illinois, USA 
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The pressure boundary condition for a calculation encompassing the entire flow path from fluid source to repository is 
generally the pressure at the top of the perforated well section required to push a given flow rate of fluid into the geological 
formation. The pressure required at the top of the perforated injection interval will vary over the course of injection operations as 
the formation is pressurized by injection and then relaxes during outages.  The fluid temperature is usually specified at the CO2 
source.  In such a case, the calculation marches from the fluid source to the top of the injection interval, and the pressure at the 
source is iterated until the required pressure at the top of the injection interval is met. 
The flowing fluid is subject to frictional losses in both the pipeline and injection well tubing. Hydrostatic pressure changes are 
also accounted for, although the average slope of the proposed FutureGen pipeline is small, with only a 56 m increase from the 
plant to the wellhead. The majority of the pressure change as the fluid moves down the injection well is due to hydrostatic effects.    
When the CO2 travels along the pipeline from the plant, it is cooled by exchange of heat with the surroundings.  The rate of 
cooling depends primarily upon the temperature of the surroundings and the thermal conductivity of the soil in which the pipeline 
is buried, but also on the fluid velocity, which is in turn a function of the pressure along the flow path between the plant and 
wellhead.   
When injection is first initiated, significant heat transfer between the injected fluid and the rock surrounding the vertical well 
is expected to moderate the temperature of the fluid and pull it towards the formation temperature at depth.  However, the rate of 
heat transfer is expected to decrease over time, as a zone of rock around the well moves closer toward thermal equilibrium with 
the fluid. A limiting case after long time periods of steady injection is therefore considered to be adiabatic flow of fluid in the 
well.  Under these conditions, the fluid temperature moving down the well still changes due to Joule-Thomson effects. 
Well and pipeline flow simulations were carried out for a number of conditions, covering expected injection pressures, fluid 
flow rates, and seasonal temperature variations. Soil thermal conductivity depends upon the soil composition and the water 
content, which will vary with the season. A range of soil thermal conductivities was therefore used in the simulations in order to 
bracket the rate of heat transfer expected in the pipeline.  Extreme high and low values of 2.6 and 0.35 W.m-1.K-1 are suggested by 
Kreith and Bohn [7].  High and low values of 1.25 and 0.50 W.m-1.K-1 are likely more representative of the agricultural soil and 
moisture ranges expected along the FutureGen pipeline route.  The conditions chosen to be most representative of long, steady 
injections were those of nominal flow rate (1.1 Mt/yr) and maximum pressure at the top of the injection interval (90% of 
estimated fracture pressure).  
Table 1 shows input parameters for a representative case examined using the CO2Flow program. Table 2 shows calculated (or 
specified) CO2 temperatures and pressures at the plant, wellhead, and top of the injection interval for summer and winter seasons. 
The total CO2 flow is assumed to be split evenly between four identical wells.  This case assumes adiabatic conditions in the 
wells themselves. This calculation does not include any pressure drop due to throttling or control valves, but will likely be 
included in the final system in order to control the pressure and distribute flow between the four injection wells. If a given 
pressure drop were taken across control valves at the wellhead, then the pressure in the pipeline and at the plant would be higher 
by approximately that amount. 
Table 1. Input parameters for example pipeline and well case. 
Parameter Value Unit 
Average annual flow rate 1.10 Mt/yr 
System availability fraction 0.85  
Maximum required injection pressure 156.3 bar  
 (2266 psia) 
Pipeline length 45.4 km 
Pipeline slope (rise/run) 0.00124  
Pipeline element length (for numerical integration) 40 m 
Fluid temperature at plant 45 °C 
Average soil surface temperature (summer) 26.2 °C 
Average soil surface temperature (winter) 1.4 °C 
Soil thermal conductivity (summer) 0.35-0.5 W.m-1.K-1 
Soil thermal conductivity (winter) 1.25-2.6 W.m-1.K-1 
Pipeline cover depth 1.52 m 
Pipeline inside diameter 0.257 m 
Pipeline outside diameter 0.273 m 
Length of vertical well segment 970.5 m 
Well curved segment radius of curvature 253 m 
Distance along curved segment to perforations 248 m 
Well element length (for numerical integration) 1 m 
Injection tubing inside diameter 0.074 m 
Pipe absolute roughness (pipeline and well tubing) 4.6 x 10-5 m 
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Table 2. Calculated fluid conditions at various points assuming soil conductivities of 2.6 W.m-1.K-1 in winter and 
0.35 W.m-1.K-1 in summer 
Location Temperature (°C) Pressure (bar) 
 Winter Summer Winter Summer 
Plant  44.7 85.5 111.4 
Wellhead 17.6 39.2 67.9 95.5 
Top of injection interval 28.0 55.4 156.3 156.3 
 
 
The injection temperature at the top of the injection interval varies between 28 and 55.4 °C using the extreme case scenarios. 
Yearly average fluid temperature varies between 42°C using extreme soil conductivities and 47°C using a more reasonable range 
of soil conductivities for the planed pipeline route. This is a good estimate of the actual injection temperature, considering that 
the thermal mass of the rock around the well will tend to buffer any transient extremes. These values will now be compared to a 
set of injection temperatures used in the geomechanical modeling step. 
3. Reservoir geomechanical modeling: STOMP + ABAQUS®  
3.1. STOMP/ABAQUS® computational tool  
In the STOMP/ABAQUS® coupled approach, STOMP models are built to simulate aqueous and CO2 multiphase fluid flows in 
the reservoirs. The ABAQUS® model reads STOMP output data for cell center coordinates, gas pressures, aqueous pressures, 
temperatures, and saturations and import these data into its mesh using a mapping procedure developed for the exchange data 
between STOMP and ABAQUS® at selected times.  ABAQUS® has constitutive models implemented via user subroutines to 
compute stiffness, stresses, strains, slip factor, fracture criterion, pore pressure, permeability, porosity, and capillary pressure 
using the STOMP output data, and provides STOMP with the updated permeability, porosity, and capillary pressure at the 
selected times. The capillary pressure was computed in terms of the air-entry pressure, permeability and porosity based on a 
model used by Rutqvist and Tsang [8]. A modification of the STOMP/ABAQUS® computational tool was made to allow 
evaluation of thermal stresses based on a thermo-poroelastic constitutive model. The computed fracture criterion is the Mohr-
Coulomb criterion [9], where hydraulic fracture is predicted to occur at a grid element if the fluid pressure exceeds the least 
compressive principal stress. In other words, the Mohr-Coulomb criterion is verified if the least compressive effective principal 
stress that defines the pressure margin to fracture (PMF) attains or exceeds zero. 











Figure 2. Mesh of the study domain. 
 
The domain is discretized into 60 X 60 X 31 numerical grid cells (Figure 2). The grid is refined near the center of the domain, 
where the four horizontal injection wells are located (Figure 1).  Each horizontal well has an internal well-bore radius of 0.1143 
m (4.5”). The imposed injection mass rate was 651 t/day (7.54 kg/s) for the smaller two wells and 1085 t/day (12.56 kg/s) for the 
other two wells with larger extensions. The maximum well-top pressure was 155.3 bar (2252 psi).  
3.3. Material Properties 
Young’s modulus and Poisson’s ratio for the geomechanical model are taken from anisotropic elastic properties logs collected 
on the FutureGen characterization borehole. Examination of histograms of Young’s modulus and the Poisson’s Ratio by layer 
indicated that the data for many of the layers were skewed, therefore, median values of the properties were calculated for each 
layer, rather than the mean. The layering is based on a 31-layer model provided by the FutureGen modeling team. 
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Thermal expansion coefficients are estimated for each layer using a multi-step process. The composition of the solid phase of 
the materials is taken from the ELAN log. Thermal expansion coefficients of the pure phase minerals were taken from the 
literature, primarily [10, 11, 12]. The thermal expansion coefficient of the rock in each layer is then estimated by taking a 
weighted average of the pure phase mineral thermal expansion coefficients, where the weights are the volume percentages of 
each mineral in the solid phase.  The median thermal expansion coefficient is then calculated for each layer. 
 
 
Figure 3.  Well path with node locations (upper left) and PMF vs. time (upper right) for well #1 for the 36°C case.   
Fluid pressure and temperature histories for four nodes are shown in the lower left and right, respectively. 
3.4. Initial and boundary conditions 
The geothermal gradient is assumed to be 1.22 x 10-2 °C/m and the reference salt mass fraction is assumed to be 4.75%. 
Different boundary conditions are appropriate for flow boundaries and are applicable to the conservation equations for water, 
CO2, and salt mass. A zero flux boundary condition specifies an impermeable boundary for flow or transport at the bottom 
boundary. Zero flux boundary conditions are applied for the gas phase along all boundaries. Initial values of aqueous pressure, 
temperature, and salt mass fraction in the nodes adjacent to a boundary surface were used as constant boundary conditions. 
4. Results and discussion 
The model has been developed for four different temperatures (47°C, 36°C, 25°C and 14°C) but we are presenting the results 
for 36°C, a high temperature case but still below the expected range of injection temperature (see section 2) and for 14°C 
representing the extreme low temperature case. 
Figure 3 provides the evolution of temperature, fluid pressure, and PMF vs. time at selected points along well #1 for the 36°C 
case. Minimal temperature change was observed for the 20-year period, and the fluid pressures rapidly evolved and stabilized at 
about 15.5 MPa (2250 Psi) after two years. These variations of temperature and fluid pressure did not cause any concerns as the 
predicted PMFs were well below zero. Note that the results are similar for the three other wells. 
For the case where the injection temperature is 14oC, the temperature distributions predicted by STOMP at the selected 
locations show a larger decrease in temperature for some nodes in all the wells. Figure 4 shows the results for well#1 but they are 
very similar in the other wells. In particular, location numbered 30635 in well #1 experiences a larger decrease in temperature 
about ~6oC (11oF) at 20 years. The PMF is far exceeded in this case.  The fluid pressure evolutions are similar to those for the 
36°C case.  The exceedance of the fracture criterion is caused by the decrease in temperature associated with the lower injection 
temperature. 
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Figure 4.  Well path with node locations i(upper left) and PMF vs. time  (upper right) for well #1 for the 14°C case. 
 Fluid pressure and temperature histories for four nodes are shown in the lower left and right, respectively. 
 
The earliest exceedance of PMF occurs after approximately two years of injection (Figure 4) due to the significant drop in 
temperature around the well.  An expanded view showing PMF distributions in the full vertical sections of the model (not 
represented here) indicates that the zone predicted to exceed the fracture criterion is confined within the Mt. Simon Formation, 
and doesn’t approach the upper layers of the model, including the seal.   
The minor differences in injectivity that occurred for the different temperature cases do not affect the comparison of the 
models. The fluid pressure curves presented in Figures 3 and 4 are nearly identical, indicating that the cause for exceedance of 
the fracture criterion around and at the wells for the 25°C and 14°C cases was due to thermal effects.  
The geomechanical evaluation of thermal stresses indicates that failure of the reservoir rock due to thermally induced 
fracturing is not expected for injection temperatures of 36°C or higher. In that temperature range, the injection temperature would 
be at or above the natural reservoir temperature. Increasing the temperature of the reservoir by CO2 injection would render the 
principal effective stresses more compressive, and as a consequence, increase the pressure margin to fracture.  For the 36°C case, 
the PMF fracture criterion was not exceeded at any location.  
Thermally induced fracturing would be predicted to occur for injection temperatures of 25°C or below.  Injection temperatures 
in that range would lower the reservoir temperature near the wellbore by ~4°C after 20 years for an injection temperature of 
25°C, and as much as 6°C for an injection temperature of 14°C. Formation fracture would be predicted to occur at affected nodes 
after 2-4 years of injection.  However, the zones where the PMF would exceed the fracture criteria for those injection 
temperatures were found adjacent to the wellbore and in nearby nodes.  For none of the considered cases did the expected zone of 
fracturing extend above the Mt. Simon formation or approach the seal layers.   
Thus, if injection temperatures at the reservoir are 36°C or higher, thermal fracturing should not be an issue for the FutureGen 
2.0 injection wells. Since results of the pipeline and wellbore transport modeling (see section 2) suggest that the injection 
temperatures would be in the range from 42°C to 47°C, thermally induced fracturing would not be expected to occur. 
5. Conclusion  
The modeling of CO2 transport in the pipeline and the injection well leads to yearly average injection temperatures of 42°C 
using extreme soil conductivities for the planed pipeline route, and of 47°C using a more reasonable range of soil conductivities. 
These two temperatures are close to the actual reservoir temperature and well above the critical temperature of 25°C where 
limited reservoir fracturing could occur based on geomechanical modeling. It can be concluded that thermally induced fractures 
of the reservoir are very unlikely to occur at the FutureGen 2.0 site. 
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